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EXECUTIVE SUMMARY

Many regulated U.S. electric utilities today have generating capacity
well in excess of that needed to meet annual peak loads and assure relia-
bility. In this report, the principal options open to state utility
regulators for dealing with overcapacity are set out and examined.

A difficulty for regulators is that there is no hard and fast rule on
how much capacity a utility needs. Ideally, capacity would be added until
the cost of any more capacity outweighs the benefits of improved reliabil-
ity. In practice, however, these benefits are difficult to quantify. As a
result, most utilities and state utility commissions select a measure of
proper reliability level, usually reserve margin or capacity margin, as an
indicator of the appropriate amount of capacity. Conventional wisdom is
that a 20 percent reserve margin is appropriate for the typical U.S.
utility, but adequate reliability may be achieved at a higher or lower
level of reserves depending on the circumstances and practices of the
utility.

In 1982, the reserve margin for the U.S. as a whole (calculated from
the aggregate of U.S. summer non-coincident peaks and the U.S. aggregate
installed capacity) reached an all-time high of 57 percent. Not counting
installed capacity unavailable for generation during the peak, the 1982
reserve margin still was at an all-time high value of 39 percent. High
levels of reserve exist in all reliability regions throughout the nation,
except for the California—-Southern Nevada area. Higher than normal reserve
levels are expected to exlist in most regions over the next ten years—-
though this depends both on electric demand growth rates and on whether
current utility construction plans are carried out.

Overcapacity is essentially a mismatch between the supply of genera-
tion capacity and the demand for generation capacity. If a utility
requests full rate base treatment of all generating capacity and the
commission finds that not all of it 1s useful, two sets of options for
treating this overcapacity are available to regulators. One set involves
controlling the supply of capacity permitted in utility rates. Unneeded
capacity can be fully excluded from rate base, partially excluded, or fully
included. If it 1s assumed that the demand for electricity and the demand
growth rate are beyond the control of the utility and the commission, then
these supply options are the only ones available. A second set of options
is based on the assumption that utility and commission policies do have a
substantial effect on the level of demand. Then, it may be possible to
include all capacity in rate base and to stimulate demand sufficiently to
utilize much of that capacity.

A commission may want to adopt a policy combining a supply option that
limits the amount of capacity in rate base and a demand option designed to
increase electricity sales. But, for purposes of examining the effects of
these options separately, it is assumed here that supply options leave
demand unaffected and that demand options can be attempted independently of
the rate base treatment of the extra capacity.
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Three effects that are important to regulators are examined for each
option. First is the effect on the price of electricity faced by the
customer. Tdeally, the option selected by the commission would result in a
price equal to the minimum cost of supplying electricity with the appropri-
ate level of reliability. Negative effects on the economy are eliminated
if the price 1s the correct, or economically efficient, price.

Second, the fairness with which the financial burden of extra capacity
is allocated among various customer groups is examined. Specifically, the
fairness, or equity, among customer classes and the equity between present
and future generations of customers are of concern.

Third, the effects of each option on the financial stability of the
company are examined. These effects include the effect on investors and
their ability to earn an appropriate return on their investment, the effect
on the utility's cost of capital, and the effect on the reliability of
service to customers where an option results in such poor cash flow that
certain ordinary operating and maintenance activities may be curtailed.

Several other important regulatory concerns that may apply to all
options are not explicitly taken into account in the option-by-option
examination. These include the cause of overcapacity and in particular
whether it resulted from an oil-backout program, the fuel cost savings
resulting from the newest capacity, the effects of an option on energy
conservation and on the state's economy, and the proper allocation of risks
and rewards between a utility's customers and its investors. However,
these concerns may be taken into account by regulators as they choose among
options.

In order to illustrate the options and to obtain a quantitative
assessment of the price and financial effects of the options, a hypothe-
tical typical utility is derived, which has generation, capacity, and
financial characteristics based on recent average data for all U.S. class A
and B electric utilities.

The principal options considered and their effects are summarized in
table ES-1. ' The first column of the table lists the options with abbre-
viated names, and the second column gives a brief description of each
option. The right-hand side of the table gives a summary rating of the
three effects of each option, with +2 being the most desirable effect under
each criterion and -2 being least desirable.

Of the supply options, one would expect that full exclusion of excess
capacity would have the worst effect on the financial stability of the
company. In fact, this is the case where the newest, most expensive
capacity is denied rate base treatment. In the typical utility example,
this option results in default on payments to creditors. But, if the new
plant is used for base load power and all the excess capacity is associated
'with the older plants that are last in the loading order (and hence are
never used in an overcapaclity situation), then the company's resulting
financial position 1s very strong. However, in this case the rates faced
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PRINCIPAL

TABLE ES-1

REGULATORY OPTIONS FOR TREATING OVERCAPACITY AND THEIR RATINGS AGAINST THREE CRITERIA

Ratings Against Three Criteria

Financial
Effect on Customers; Interclass and Stability;
Correct Price; Intergenerational Reliahility
Option Description Economic Efficiency Equity of Service
SUPPLY OPTIONS
Full Exclusion )
New Plant newest unit excluded from
rate base +2 +2 -2
Least Efficient least efficient units excluded
from rate base -1 -1 +2
Average Plant excess capacity excluded at
average cost of capacity +1 Q +1
Partial Exclusion
50% of New Plant half the newest unit excluded
from rate base +1 0 -1
2:1 Cov. Ratio rates are set so that interest
coverage ratio equals 2 -1 ~1 0
Graduated amount of exclusion tied to
severity of overcapacity -1 -1 +1
Equity Only return on only equity portion
of plant excluded +1 0 -1
Constant Revenues revenue requirement is
unchanged +2 0 =2
Imputed Sales revenues spread over kWhs for
full capacity use +2 0 -1
Carrying Costs part of excess capacity carry-
ing costs are excluded N.A N.A. N.A
Full Recovery
Traditional all capacity included in rate
base in traditional manner -2 -2 +2
Phase-in capacity phased Into rate base
with full recovery of value -1 0 +1
Trending new capacity included with
mortage~type depreciation -1 +2 +1
DEMAND OPTIONS
Bulk Power Sales extra capacity used for sales
to other utilities +1 0 +
Price Reduction
Flat Reduction all rates for all customer
classes are reduced +1 +2 -1
Time-of-Use of f~peak, industrial rates are
reduced +1 +1 +1
Marketing create marketing office &
strategy; advertise +1 0 +1
Source: Text of the report.

Legend: substantial, negative effect = ~2; moderate, negative effect = -1; little or no effect = 0; moderate,

positive effect = +1, substantial, positive effect = +2.

N.A. = the ratings were not applied to this option——the ratings would depend on the amount of the excluded carrying

cost.



by customers are almost as high as if no capacity were excluded from rate
base at all. An alternative is to exclude excess capacity at the average
cost of the system's capacity. This produces price and financial effects
intermediate to those of the first two options. Hence, even with full
capacity exclusion a broad range of effects is attainable.

Furthermore, the effects on price and financial stability depend
‘importantly on commission treatment of expenses associated with excluded
capacity. The newest unit-—or that portion of the newest unit's capacity
which exceeds reserve requirements—-may be excluded from rate base, but the
utility will probably use the unit regardless. In this case, variations in
regulatory treatment of depreciation, fuel costs (and fuel cost savings),
other operating and maintenance expenses, and property taxes permit a
regulator who so desires to tailor the effects to the circumstances of the
utility. It is important to note that the ratings in table ES~1 may change
as the treatment of these expenses changes.

Instead of full exclusion of overcapacity from rate base, regulators
may opt for exclusion of only a portion of the excess plant. This may be
desirable in order to apportion the cost burden between ratepayers and
stockholders in a particular way, either to reflect the degree of
management responsibility for the excess, to achieve more precisely the
desired price and financial effects, or for some other reason. A varilety
of partial exclusion approaches is, of course, possible; some of the more
logical ones are listed in the table and include the following: excluding a
fraction (such as half) of the excess capacity; excluding just enough
capacity so that the company's interest coverage ratio does not go below
two; varying the fraction of excess capacity excluded in a graduated manner
so that the greater the reserve margin, the greater the fraction excluded;
excluding from rates all the return on the equity associated with excess
capacity while allowing return on associated debt; and including just
enough excess new plant in rate base so that the increase in return
balances the fuel cost savings, leaving the revenue requirement unchanged.

Clearly, the effects of such options on customers and on the company
depend on the circumstances of the utility. In the typical utility example
examined here, holding the revenue requirement constant has the best price
effect among the options mentioned and the worst financial effect. Because
the utility in this example .does not have an extremely high reserve margin,
the option of graduated exclusion is the most financially favorable of the
partial exclusion options. :

Two other partial exclusion options deserve special mention because
they do not exclude a fraction of excess plant from the rate base and yet
do not provide for full utility cost recovery. One is the imputed sales
approach. Here it is assumed that the utility will realize a volume of
kilowatt—~hours sales and a level of kilowatt demand sufficient to use all
the installed capacity, with proper allowance for reserves. These imputed
sales are more than the sales actually expected. All capacity is included
in rate base, but the resulting revenue requirement is spread over the
imputed sales volume, yielding lower prices. Applying these lower prices
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to the actual kilowatt-hours expected to be sold results in a revenue
shortfall, which is here considered equivalent to a partial exclusion of
capacity. This option results in an economically efficient price with a
less severe effect on company finances than full exclusion of new capacity.
It also permits automatic increases in revenue as sales improve without the
need for periodic rate hearings to determine how much excluded capacity
should be admitted to rate base.

Another option for commissions is to take the view that there is no
excess capacity, only premature capacity completed before the demand for it
materializes. The treatment then may be to exclude all or a portion of the
carrying costs from the time of completion to the time of need. A related
option for commissions is to scrutinize construction delays and associated
higher carrying cost for evidence of footdragging on plant completion while
waiting for demand to catch up with supply. The extra carrying costs, if
they can be identified, may be excluded from ratepayer reimbursment.
(Because the effects of this option depend so heavily on the amount and
time period of exclusion, rating this option is not possible.)

Also, among the supply options, a commission may choose to include all
completed capacity fully in rate base. This decision may be based on the
limited amount of overcapacity, the short time period anticipated before
the capacity is needed, lack of management culpability, or some other
reason. Still, there are several ways to provide for full utility cost
recovery—~three of which are listed in table ES-1. These are the tradi-
tional rate base treatment of capacity, some form of phase—in treatment,
and rate trending. Rate trending spreads the recovery of costs evenly over
the life of the plant, as opposed to the traditional approach, which
recovers the most revenue in the early years. Such early recovery 1s
particularly undesirable in an overcapacity situation because customers who
need the new plant the least pay the most for it. Rate trending has a
positive effect on intergenerational equity, as well as keeping the company
financially sound.

Phase—-in approaches depart from the traditional approach over the
first few years only, then resume the usual revenue collection pattern.
Phase-in, here, is not the gradual addition of plant to rate base (treated
as partial exclusion), but a plan of full cost recovery through increasing
revenues, with the net present value of the phase-in revenue stream equal
to that under the traditional approach. As such, phase—~in has a positive
effect on the company's financial stability while avoiding some of the
negative equity effects associated with a sudden, large increase in rates.
However, later rates are higher than those under the traditional approach.

A major disadvantage of a sudden, large increase in rates is that it
may drastically reduce the volume of sales so that the expected revenue
requirement is not realized. Instead of raising rates to cover the costs
of excess supply, regulators might consider options for stimulating
demand--such as lowering rates. Among the demand options that merit
consideration are promoting bulk power sales, price reductions, and
marketing.

vii



Bulk power sales are possible, however, only if there are imbalances
in the system, that is, if one utility is short on capacity while another
has overcapacity, or if one utility can produce and deliver electricity to
another at a lower cost than the latter can produce power from its own
equipment.

Also, the utilities must be interconnected. There are three major
transmission networks in the United States: in the east, in the west, and
in Texas. The three networks are not currently interconnected, but the
regions and utilities within each one are intertied with connections of
--varying strength. There are currently some 57 interregional connections,
with another 20 planned for the period 1983-1992. It is apparent that
sufficient interconnections exist to make it feasible to sell the output
from extra capacity to other utilities 1f the other conditions are met.
The variation in production costs within each transmission network suggests
that there is a great deal of room for bargaining, so that there should be
no difficulty in agreeing on a price, assuming there is a need for
electricity. : :

However, as mentioned, at this time all reliability .council regions
have more than énough capacity, except the California-Southern Nevada
subregion. Therefore, bulk power sales within the western transmission
network ought to be possible and, in fact, are being pursued. Sales within
a region to a neighboring utility may be possible also at the present time.

- More interregional bulk power sales to alleviate the overcapacity
problem may be possible over the next ten years. However, if current o
construction plans are carried out and demand growth rates are moderate, in
1992 all the regions will have adequate, or more than adequate, generating
reserves without purchases from other regions. Only if such plans are
curtaliled would significant interregional power transfers seem likely.

A problem for commissions with interregional exchanges is that most of
the decisions on interconnections and on construction curtailments for
utilities in other regions are outside of direct state control and may be
difficult to foster. All things considered, an interregional market for
the output of current excess plant, while desirable, is speculative and, at
this :point, should not be relied on by state commissions as a principal
solution to the overcapacity problem except in special cases.

The main way to stimulate demand in the jurisdictional market is with
price reductions. Table ES-1 lists two of the dozen price reduction op-
tions examined. These options are various combinations of reductions for
all customers and reductions for industrials only; options with new capa—
city additions allowed and not allowed; options with rate reductions of 5
percent, ten percent, and others; and options with flat rate decreases and
decreases in components of a time—of-use industrial tariff.

In addition, the options are examined not only for the typical utility
but also for a larger utility to test sensitivity of the results to utility
size. There are no significant differences in the results for the two
utility sizes.
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Two distinct pricing options are the flat rate reduction for all
customers and the use of strategic time-of-use pricing to stimulate
industrial demand. Both have a positive effect on economic efficiency in
that prices are being lowered in response to an oversupply. Both have a
positive iIntergenerational equity effect. The case of price reductions for
all customers is preferred in terms of interclass equity. However, the
time-of-use strategy for industrial customers results in better financial
performance for the company over a period of years than a policy of no
price reductions. This is not so with the flat reduction for all
customers.

Increased effort at marketing electricity in the utility's service
area is an option that rates well with regard to price and financial
effects——assuming the beneficial effects of such marketing outweigh the
costs of the program.

Overcapacity may be a problem for the next ten years or more, but it
is not too early for utilities and commissions to consider ways to avoid
such a problem in the future. One way is for utilities to reduce reliance
on load forecasts, which drive most construction plans. Instead, utilities
could aim toward flexibility in responding to an uncertain future load.

Flexibility in supply can be obtained by constructing smaller, modular
units of base load capacity that can be built relatively quickly and by
using more cogeneration and small power production for peaking needs. The
additional unit cost of the smaller units can be viewed as an insurance
premium against the possible waste associated with long-range forecasting
and capacity planning. Improved coordination in capacity planning with
neighboring utilities and improved interconnection within and among regions
would increase supply flexibility also.

Flexibility in demand is also achievable through seasonal and time-
of—day pricing, load management devices, and interruptible rates. These
tools permit the utility to plan capacity additions more conservatively
because if supply proves inadequate the means of controlling demand are
available.
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to address regulatory issues of national concern.

This report helps meet those purposes, since the subject matter
presented here is believed to be of timely interest to regulatory agencies
and to others concerned with electric utility regulation.
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CHAPTER 1

THE OVERCAPACITY PROBLEM

In 1984, many regulated U.S. electric utilities face capacity-related
problems, particularly that of having generating capacity well in excess of
that needed to meet annual peak loads and assure reliability. In this
report, the options open to regulators for dealing with this overcapacity

are set out and examined.

The Nature of the Problem

Because several related issues are facing state commissions at the
time of this writing, it is important to note what our study does and does
not attempt to do. There are several serious problems related to over-
capacity that are outside the scope of this present report. One is plant
abandonment, where a utility cancels a plant under construction for
overcapacity or financial reasons and where a state commission must decide
how to treat the costs of the abandoned plant. A special case of plant
abandonment involves large units that are substantially completed. 1In this
case, commission decisions may mean the difference between utility survival
and bankruptcy, and such decisions, of course, pose a special problem in
cost allocation for commissions—--a problem we do not attempt to treat here.
Still further afield from the focus of this particular study is how
commissions can or must deal with the courts, receivers, and new owners in

the event of bankruptcy or receivership.

Another problem not explicitly treated here is so-called "rate shock,”
a sudden large increase in rates caused by the -addition of a large gene-
rating facility to rate base. If, in the opinion of the commission, the
addition does not result in overcapacity, the rate shock problem is outside
this study. However, some of the options covered here for treating over-
capacity may also be useful for the rate shock problem. These pfoblems

are, of course, related in that it is more difficult for a commission to



permit a utility to add a plant to rate base that would not only result in
overcapacity, but in rate shock as well. The solutions, however, are
distinct. For example, some utilities have argued that including the cost
of construction work in progress (CWIP) in rate base is a solution to the
rate shock problem. Be that as it may, it would not address the
‘'overcapacity problem if the plant additions resulted in an unacceptably .
high level of reserves. In this report, the CWIP versus no—CWIP issue is
treated neutrélly, that 1s, commission options for treating overcapacity

are discussed for commissions that allow CWIP and for those that do not.

Still another problem is the degree of utility responsibility for the
oVercapacity situation. Overcapacity may have resulted from mismanagement,
imprudent judgement, industry-wide miscalculation, govermment policy,
economic circumstances, bad luck, or some combination of these reasons.

How to determine the prudence of management is an important question, but.
one that would take us on an extended tangent here. The prudence question
is related to, but separable from, the overcapacity question. An NRRL
report on the prudence question was developed in parallel with this . -
overcapaclity report, and the two reports are being published at about the
same time. However, in chapter 4, we discuss the factors that may affect a
 commission's choice among the options, and one such factor is the degree of
utility management responsibility for the particular utility's overcapacity

situation.

This report on overcapacity deals with the options available to com-
missions for treating existing excess electric generating plant. It does
not deal diréctly with options for treating plant under construction that
may become excess capacity when in service; however, the companion report
on the prudence of management treats this plant abandomment issue exten-
sively. Also, this report does not deal explicitly with gas utility
overcapacity or electric transmission and distribution overcapacity,

although in principle the options available to commissions are the same.

Commissions face the overcapacity question in two ways. In one, gene-

rating plant currently in rate base is in excess of needs due, for example,



to a decline in sales. More likely, an overcapacity situation that was in-
tended to be short term has become long term because the growth in sales is
slower than expected. On the other hand, capacity currently in rate base
may be adequate or nearly adequate, but a new plant comling on line may not
be needed at present. Commission treatment here may differ from that in
the first case. In principle, treatment of overcapacity in these two cases
could be the same regardless of the context. In practice, commissions are
often reluctant to exclude from rate base capacity that was once approved
as used and useful. For example, in the case of excess natural gas
distribution capacity during the gas curtailments of the mid-1970s, some
commissions had a capacity factor adjustment clause to recover from served
customers the carrying cost of capacity unused by curtailed customers. An
important aspect of this policy was commission expectation that the ~
situation would be short lived. New and unneeded capacity entering the

rate base is another story.

Defining Excess Capacity

Commissions, by law, must include "used and useful” capacity in the
rate base and exclude both unused capacity and capacity that is not useful,
so—called excess capacity. Typically, the legislature and the courts allow
commissions a good deal of discretion in determining what represents excess
capacity. Most commissions have avoided hard-and-fast rules on how much
generating capacity an electric utility needs. Clearly, as a minimum it
needs at least as much as that required to meet its peak demand of the last
12 months——assuming, of course, that purchased power is undesirable for

cost or reliability reasons.

A utility, however, almost always needs more than that required in the
previous year for several reasons. Demand in the current year will
probably be greater. With the exception of 1982, U.S. electric sales and
peak loads have increased every year—-before 1973 at a rate of about seven
percent each year, doubling every ten years. Since 1973, of course, sales

growth has been much less. Also, peak demand is subject to variation



because of severe weather, economic activity, and the statistical fluc-
tuations to be expected from any group of. voluntary customers. More
importantly, on the supply side, a utility needs capacity in excess of
expected demand in case some capacity is unavailable. This unavailability
may be due to a unit outage, derating of a unit, maintenance, NRC-ordered
derating in the case of a nuclear unit, or low water conditions in the case
of a hydroelectric unit. In short, generating capability is less than

installed generating capacity.

Consider recent national data on capacity, capability, and peak load
shown in table 1-1. The first four columns of table 1-1 provide some
information on the difference between installed capacity and summer peak.
capability. The first column lists all the years, for which data are
available, during which the national non—-coincident summer peak load
exceeded the national non—coincident winter peak load. A national seasonal
non—-coincident peak load is the sum of the seasonal peak loads of all U.S.
utilities, where these individual peak loads occur at various times during
the season. The second éolumn contains the sum of the installed generating
capacities of all U.S. utilities: investor-owned, cooperatives, and govern-
‘mental utilities. The third column contains the sum of the (presumably
non-coincident) generating capacities of all utilities at the times of
their summer peaks, and the fourth column expresses this total capability

as a percentage of installed capacity.

Summer capability as a percent of installed capacity declined from 98
percent in 1964 to 89 percent in 1982. One must be careful in drawing
conclusions from this statistic about the capability (as a percent of
capacity) for individual utilities. Many utilities have winter peak loads
greater than summer peak loads, so. that planned summer maintenance results
in reduced capability during the national peak season, summer. This tends
to lower the national percentage reported here. However, the trend over
the last two decades has been for summer air conditioning loads to convert

more and more utilities from winter—peaking to summer-peaking systems.



TABLE 1-1

TOTAL U.S. ELECTRIC INDUSTRY INSTALLED GENERATING CAPACITY,
SUMMER CAPABILITY, NON-COINCIDENT SUMMER PEAK, AND RESERVES FOR YEARS
WHEN SUMMER PEAK LOAD EXCEEDED WINTER PEAK LOAD2

[¢D) (2) (3 (4) (5) (6) (7)
Capability Reserve
At Time Of Capability As Non-coincident MarginC¢ Reserve
Installed Summer Peak A Percent Of Summer Peak Based on Margin€ ;
Capacity Loadb Installed Load Installed -Based On

Year (GW) (GW) Capacity (GW) Capacity (%) Capability (%)
1982d 650 578 89 415 57 39
1981 635 572 90 428 48 . 34
1980 614 559 91 427 44 30
1979¢ 598 545 91 398 50 .37 ¢
1978¢ 579 546 94 408 42 34
1977 560 516 92 396 41 30
1976 531 499 94 371 43 35
1975 508 479 94 357 42 - 34
1974 476 444 93 349 36 27
1973 440 416 95 344 .28 21
1972 399 382 96 319 25 20
1971 369 353 96 292 26 i 21
1970 341 327 96 275 24 19
1969 313 300 . 96 258 21 16
1968 291 279 96 238 22 17
1967 269 258 96 213 26 : 21
1966 248 241 97 203 22 : 19
1965 . 236 229 97 186 27 23
1964 222 217 98 175 27 24

Source: Edison Electric Institute, Statistical Yearbook of the Electric Utility Industry 1982
(Washington: EEI, 1983), pp. 8 and l4.

8 The data available for installed generating capacity apply to all 50 states, but the data for
capability and non—coincident summer peak load apply only to the contiguous 48 states excluding Alaska
and Hawaii. 1In 1982, the installed capacity in Alaska and Hawaiil was less than one-half percent of
the U.S. total. Assuming this proportion is valid for prior years, the percentages reported here are
correct to two significant figures as shown. (However, rounding could change the reported figure;
e.g., a reserve margin based on installed capacity of 29.60% is reported here as 30%; 1f Alaska and
Hawall were included, the correct figure would be about 29.47%, which would be then reported as 297.)

b Capability represents the maximum kilowatt output with all power sources avallable and with
hydraulic equipment under actual water conditions. It must, therefore, provide the necessary
allowance for maintenance, emergency outages, and system operating requirements. This rating is more
indicative of the actual generating ability of existing power stations than the familiar name-plate
rating reported as installed capacity.

C Reserve margin = ((Capacity + Peak Load)-1) x 100%. See text for discussion of what these
regerve margin data do and do not represent.

d Except for installed capacity, 1982 data are preliminary.

€ Except for lnstalled capacity, all data series shown here have a discontinuity between 1978 and
1979 because EEI switched data sources.



Also, the non-coincident summer peak load (reported in the fifth column of
table 1-1) as a percentage of the non-coincident winter peak load (not
reported) increased from 102 percent in 1964 to 117 percent in 1973, and
declined to 111% in 1982. The overall net increase in summer loads over
winter loads suggests that, absent other factors, summer capability as a
percent of installed capacity ought to have increased from 1964 to 1982.

Instead, it decreased.

The decline in summer capability may have been due initially to
reduced maintenancé on derated oi&er ﬁnits,'once usedvfor péaking, as oil
and gaé burning peaking units came into common use in the mid-1960s. Since
the mid-1970s, the use of peaking turbines has declined, and old units are
once again retained for peaking purposes. A large population of older
units could also account for the decline in capability. As a unit ages it
often cannot be operated at full nameplate capacity without extensive
costly refurbishing. It may be more economical, for éxample, to retain an
0ld coal unit for use at less than full capaclty for meeting ﬁeak period
loads than to puréhase an oil-burning peaking unit for the same purpose.
This is especially true if the unit is near or at the end of its
depreciation life and makes little or no contribution to the value of the
rate base. In su@h‘a case, the more important goal of cost minimization
takes precedence, of cbﬁrse; oﬁer the less important goal of maintaiﬁiﬁg

attractive statistics on capability as a percent of installed capacity.

Anoﬁher p0ssible, related explanation for the decline in cépability is
that some utilities have been able to extend the uéeful service lives of
older units—fin some éases from a projected 30-year life to 40 years or
more. Capability is lowered when the utility takes an older unit off-line
to rébuild it. Even though older units have poorer fuel efficiency and
often higher outage rates, increasing costs of new units m5y make itvmore
economical to keep a group of fully depreciated older units than to build
new capacity to meet intermediate and base loads. Such higher outage rates
could also account for lower utility capability as a percent of installed

capacity.



The statistic most frequently used by utilities and regulatory com-
missions to determine whether utility generating capacity is adequate is
the reserve margin. Reserve margin is the percentage by which the install-
ed capacify exceeds the annual peak demand. Recently, many utilities have
preferred to use a related statistic, capacity margin, to convey the same

information.}t

In table 1-1, the fifth column contains the U.S. non-coincident summer
peak load. A statistic akin to a U.S. reserve margin can be calculated
from columns 2 and 5. This statistic 1s listed in the sixth column.. This
is not a true national reserve margin, as if the U.S. were dispatched as a
single system, which would be based on the coincident summer peak load and
result in a higher percentage in column 6. Nor is it an average of all
U.S. utilities' reserve margins, which would be based on winter loads for
winter peéking utilities and result in a lower percentage in column 6.
Such an average would be interesting, but the data needed to calculate it
are not available. The reserve margin in column 6 conveys information
about the weighted average amount of reserves for all U.S. utilities, both

summer and winter peaking, at the times of their summer peaks.

This reserve margin increased from 27 percent in 1964 to 57 percent in

1982.2 TFor the ten-year period 1964 through 1973, it averaged 24.8

lpor example, if a utility has an installed capacity of 12,000 MW and an
annual peak demand of 10,000 MW, the reserve margin is the amount of
reserve (2000 MW) expressed as a percentage of the peak load (10,000 MW),
or 20 percent. Capacity margin is the amount of reserve (2000 MW)
expressed as a percentage of installed capacity (12,000 MW), or 16.7
percent. The smaller number may be more attractive but contains no new
information. To convert a capaclty margin (C) to a reserve margin (R), use
the equation R = (100 x C) + (100 - C). That is, 1f the capacity margin
is 16.7 percent, the reserve margin is (100 x 16.7) + (100 - 16.7) = 20
percent.

21n 1963, wher the non—coincident winter peak load exceeded that for
summer, the reserve margin based on installed capacity and winter peak was
31 percent. It seems likely that capacity was being installed to meet the
growing summer peaks, causing a surge In reserve margin. The comparable
1962 reserve margin was 26 percent.



pefcent. During this same period, as mentioned, there was an overall net
inérease in summer loads over winter loads, which tends to lower the column
6 reserve margin figure. From 1974 though 1982, it averaged 44.8 percent.
This highér average is due in part to the decline in summer loads relative
to winter loads. Nevertheless, the net increase in relative summer loads
from 1964 to 1982 suggests that, all other factors remaining constant, the

reserve margin of column 6 ought to have declined. Clearly it did not.

One reason for the increase in reserve margin based on installed
capacity is the decrease in capability as a percentage of installed
capacity (column 4). To the extent that some installed capacity is not
expected to be available at the time of the system peak load, reserves must
be increased to allow for this supply-side unavailability as well as for
surges in customer demand. In c¢olumn 7 of table 1-1, a reserve margin
based on capability,lcalculated from columns 3 and 5, 1s presented. The
data show that allowing for a decrease in percentage Capability does not
wholly account for the increase in column 6 reserve margin; 1f it did, the
column 7 figure would be constant over time. Instéad, it increases from 24
percent in 1964 to 39 percent in 1982. It averages 20.1 percent during the
1964-1973 period and 33.3 percent for 1974-1982.

As a state commission judges the appropriate amount of génerating
capacity for a particular utility, it normally takes into account these
factors just described nationally as well as factors specific to the
- individual utility. It may be heipful for a commission to develop a table
like table 1-1, bésed on utility-specific data, showing long-term trends in
percentage capability, reserve margin based on installeq capacity, and
reserve margin based on capability.' (Of course, capacity margin would
serve just as well.) Suéh a table provides useful background information

and perspective for making a judgement about capacity needs.

Historically, most utilities and cémmissions used a rule of thumb that
a reserve margin of 20 percent .is appropriate. If peak period generating
capability is typically close to installed capacity, there is little

distinction between reserve margin based on installed capacity and reserve



margin based on capability. If it is not, the commission must consider
which reserve margin figure to use. Because the purpose of reserves 1s to
allow both for unplanned outages (decreases in capability) at the time of
the peak and for demand surges, it is appropriate to use the reserve margin
based on installed capacity in most cases.3 This provides the utility

with an incentive to have installed capacity available when needed: poor

maintenance practices ought not to justify overbuilding capacity.

It is important to recognize that the 20 percent reserve margin test
is only a rule of thumb-—although a useful one. Ideally, the amount of
capacity a utility ought to have depends not on the reserve margin, but on
the trade-off between system reliability and system cost. Reliability is a
measure of how infrequently customers experience blackouts and brownouts.
Capacity should be added, in theory, until the cost of any additional capa-
city exceeds the benefits of the improved reliability.4 . In practice,
these benefits are very hard to quantify, and many utilities simply pick a
target level of reliability. The objective then ought to be to meet this
target reliability level at minimum cost. This approach results in three
questions for regulators: Is the target level appropriate? Is the utility

meeting its target? Is the target being met at minimum cost?

Selecting a target requires some measure of reliability, and relia-

bility can be measured in several ways.5 One of the simplest ways is to

3In some cases reserve margin based on installed nameplate capacity is
inappropriate. For example, when derated older units are used to lower
costs (as discussed above) the installed capacity should be adjusted by the
amount of the derating before the reserve margin is calculated.

4This concept has been developed by several analysts; see, for example,

M. L. Telson, "The Economics of Alternate Levels of Reliability for
Electric Power Generation Systems,” The Bell Journal of Economics 6 (Autumn
1975):679-694, '

SFor an explanation of traditional measures of reliability and an intro-
duction to loss—of-load probability, see "Power System Reliability Assess-
ment: Phase I-—Generation Effects,” Edison Electric Institute, Washington,
D. C., February 1977. For more advanced techniques, for example, using
electric demand probability trees, see "Planning For Uncertainty,” EPRI
Journal, May 1978. '



establish a target number of times that load may exceed system capability
over a period of time. In terms of this measure, a typical U.S. utility
target level of generation reliability is one outage in ten years. Many
years ago, a study for Consolidated Edison showed a reliability level of
one outage in ten years to be cost effective.® Utilities have accepted
that level since. Tt is generally believed that if a typical utility
maintains a 20 percent reserve margin it will, on average, experience a

generation reliability level of one outage in ten years.

Several analysts contend that this level of reliability may be too
high,7 that regulated U.S. utilities tend to produce "the best service in
the world"” when many customers, given a choice, would endure less reliabil-
ity in exchange for lower rates. The recent demand for low cost télephone
handsets and the popularity of low cost, "no frills™ air transportation may

support this point.

Assuming the utility and the commissioh agree oﬁ a target level of
reliability, in order to decide whether the utility is meeting its target,
they must either agree on the statistical tools for analysis of outages and
demands, such as loss—of-load probability, or agree on a proxy for such
analysis, such as the rule—of-thumb estimate of the necessary reserve
margin or capacity margin. Statistical tools for reliability analysis for
utility use in system planning have been improving greatly over the last
decade, but still may not have reached a level of precision where they can
be introduced succeésfully in the rate hearing process. Reliability
results from a proper matching of demand and supply. As is weli known, the
ability to forecast demand accurately is still limited. Tools for fore-

casting supply availability have limitations also. For example, if the

6Reported in "The Growing Role of Reliability,” Electrical World, Vol.
195, No. 10, October 1981, p. 78.

7See, for example, A. Kaufman, L. T. Crane, B. Daly, Are the Electric
Utilities Gold Plated? A Perspective on Electric Utility Reliability

(Washington: U.S. Library of Congress, Congressional Research Service,
April 1979).
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interconnections of a utility with other systems are modeled poorly or not
at all, this may yield a higher level of reserves, for a given reliability
target, than is actually needed. Also, tools for forecasting the supply
availability in a system require input data concerning the outage rates of
the generating units in the system. If these data are based on the
historical performance of the units and if this performance has been below
par (either because of historical flukes or poor management practices), the
result will be a higher level of reserves than would be needed in an
optimally managed system to achleve a target level of reliability.
Furthermore, many of the tools focus on generation system reliability,
treating transmission and distribution reliability inadequately or not at
all. Yet, overall system reliability, of which generation reliability is
an important part, is the key: the customer does not care if an outage is

due to a generating unit outage or a failed transformer.

For simplicity and practicality in the hearing process, many commis-
sions choose to use the reserve margin as a rule of thumb for determining
whether capacity is more or less than sufficient for meeting the system's
reliability needs. Indeed, many’utilities still use the reserve margin

rule of thumb for capacity planning.

A commission using a reserve margin proxy for reliability and,
equivalently, a reserve margin test for excess capacity must decide whether
the target that is set is an average over time, a floor, or a ceiling. For
example, if the proper reserve margin is deemed to be 20 percent, is this
to be the average of reserve margins over several years, a floor below
which the utility should never fall in order to ensure a proper level of
reliability, or a ceiling above which the utility should never rise in
order to guard against excess capacity? This question suggests that either
a reserve margin target average is appropriate or a reserve margin
"window,"” specifying floor and ceiling targets, may be useful. TFor
example, a commission could either establish a 20 percent average reserve
margin target, or a window with a 25 percent ceiling and a 15 percent |

- floor, or both. The appropriate level of the average and the size of the

window may depend on the circumstances of the utility.
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Ideally, the circumstances of each utility would be considered sepa-
rately in establishing a reserve margin test of reliability. For one
utility, a reliability level of one day in ten years may require a reserve
margin of 23 percent while that reliability level for a neighboring utility

may require reserves of only 17 percent.

Several factors determine the relationship between reliability and
reserve margin. One obvious factor is the amount of available purchased
power, which substitutes for installed capacity, and long—term contracts
for wholesale sales, which effectively reduce the installed capacity avail-
able for retail service and increase required reserves. Another factor is
system size and the number and size of generating units in the system.8
For this reason, a utility that is part of a power pool can afford to- have
a lower reserve margin than a similar utility not in a pool, if each is to

achieve the same target level of reliability.

Another factor is the shape of the peak load. A utility with a needle
peak requires less reserves than a utility with a relatively flat peak of
long duration if both are to be equal in reliability. This is because,
assuming a constant probability of outage per unit time, the second utility
has a higher probability of outage during the peak period. In other words,
it is exposed for a longer time to the possibility of something going

wrong.

The reserve margin ought to take into account the age and fuel type of
the units of installed capacity, because these factors affect the level of
reliability. 0ld units may be more likely to go down than new units. If

new units are more reliable, then adding new units to a system may lower

8For example, a large system with many units, no one of which accounts

for more than five percent of installed capacity, can achieve a given
reliability level at a relatively low reserve margin because it can easily
meet peak load if its largest unit goes down. To achieve the same level of
reliability, a smaller system with fewer units, one of which accounts for
20 percent of installed capacity, must have a larger reserve margin if it
is to be self-sufficient.
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the needed reserve margin. Nuclear plants and coal plants, especially
those with pollution control equipment, may be subject to more planned
maintenance, unplanned shutdowns, and unit deratings than oil and gas fired
units. Nuclear units must be refueled on schedule, whereas routine
maintenance of fossil plants can be done whenever the plant goes down. And
the nameplate capacity of a hydroelectric facility means little when.the

reservoir is dry.

The relationship hetween reserve margin and reliability is also
affected by the existence of interruptible customers, including customers
with utility—controlled load management devices. Such customers purchase
electricity at a lower price than regular retail customers because inter-
ruptible customers are willing to accept a lower level of reliability.
Whenever demand exceeds available supply, they are the first to be
curtailed. Reliability is maintained not only by planning sﬁpply reserves
but also by planning demand curtailments. For a given target 1evei of
reliability for regulér customers, interruptible load can be substituted
for reserve margin. A utility with an interruptible load equal to 10
percent of peak load and with a 10 percent reserve margin ought to be just
as reliable for regular customers as a utility with no interfuptible load

and a 20 percent reserve margin.

Commissions that use reserve margin as a proxy for reliability need to
consider whether to account for these factors in establishing a reserve
margin test for excess capacity. If all these factors are taken into
account for a given system, a curve can be calculated showing the relation-

ship between reliability level and reserve margin.

If such calculation is not feasible, a commission can chooée an
alternate approach. One approach is to pick a standard level of reserve
that best corresponds to the desired reliability, such as a reserve margin
of 20 percent, and consider on a case-~by-case basis whether a higher or
lower reserve margin is justified for each utility. This approach allows

the commission to avoid direct reliability analysis such as loss—of-load
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probability analysis, but permits consideration of factors that justify
reasonable deviations from the standard, either up or down. Another
approach, which eliminates the need for any reliability analysis, is to set
the standard at a level high enough to take these factors into account and
avold discussion of exceptions. A commission could fix the allowable
reserve margin at‘(for example) 30 percent: then any capacity over 30
percent is deemed excess capacity. This approach has the advantage of
simplicity and ease of application. The disadvantages are that utilities
with unduly high reliability levels but less than 30 percent reserves are
not identified and that a utility which believes it could justify a reserve

margin above 30 percent is not permitted to do so.

It may be possible for some utilities to justify high reserve margions
as a result of actions taken to minimize costs. As discussed, a high level
of reserves may be attributable to maintaining a group of old, not very
reliable units which can meet peak loads at a lower cost than replacing
them with a’new unit. Utilities with oil-fired capacity may find it more
economical to install replacement capacity of another fuel type, letting
the oil-fired units sit idle, than to burn oil. While the o0il capacity is
kept on the'books, a high reserve margin would result from this cost mini-

mizing action.

Moreover, in order to realize economies of scale in generation unit
capacity costs, capacitykmust‘be added in large increments. Because of
this, a reserve mérgin target cannot be met exactly year after year. Even
if eléctricity demand could be forecast precisely (which it certainly
cannot be), incremental capacity would still cause reserve margins to
undergo sudden step—like increases followed by gradual declines as peak
loads groﬁ.' These step—liké increases in reserve margin can be small in
some circumstances: if the utility is large enmough so that no single
addition causes a large step increase; if the smaller utility builds the
smallest plant for which economies of scale are retained (as discussed in
chapter 5); if small utilities combine in joint—ownership of a large

facility; 1f reserve margin is allowed to decline below the target just
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before plant completion (using emergency purchased power, if needed at all,
for a year or so may be the least cost strategy); and if the unneeded
reserve can be sold to neighboring utilities. Better cooperative
scheduling of capacity additions among neighboring utilities, along the
lines currently attempted by the regional reliability councils, would be
helpful in minimizing step increases in reserve margins. When these
measures are not posslble, some significant reserve margin increase must

accompany a capacity addition.

Since demand cannot be forecast precisely, additional reserve margin
variations occur due to variable peak demands from year to year. As shown
in table 1-1, the 1982 recession and resulting decline in load (column 5)
is partially responsible for the increase in reserve margin (columns 6 and
7) in that year. Because of variations in both supply and demand, the cost
minimizing approach is some combination of matching construction lead times
with typical timeframes for demand trends to become apparent and tolerating

swings in reserve margin sufficient to capture economies of scale.

Cost minimization also can be used to justify lower reserve margins.
Lower levels of reliability than those achieved historically by U.S.
electric utilities may be justified, resulting in a reserve margin perhaps
below 20 percent. Furthermore, cost minimizing actions, such as some form
of power pooling or cooperative capacity expansion planning, may exploit
geographic diversity and associated economies of scale, so that a utility
can maintain current reliability levels while lowering reserve margins. In -
addition, because interruptible load is substitutable for reserves, it may
be less costly to offer cost—based interruptible rates than to construct

reserve generation capacity.

The emerging telecommunications capabilities of many electric
utilities may make possible in the future the polling of customers to
determine at what price level they would accept a service interruption.
This is not dissimilar to the way deregulated airlines handle inadequate
capacity (overbooking) by auctioning off on-the-spot rewards to passengers

willing to defer travel. Such a system for electric utilities would be a
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major step toward linking reliability level and electricity price. Until
such a system is aVailable, it is likely that a target reserve margin proxy

for adequate reliabiity will continue to be used by state commissions.

How We Got Here

As noted earlier, the current aggregate reserve margin is estimated at
39 percent, compared with 20 percent as an adequate level for reliability
purposes. This substantial excess capacity has resulted in the cancella-
tion of a number of plants under construction or planned, as well as

financial difficulties for several utilities.

The current difficulties are believed to have their genesis in the oil
price gyrations of the early 1970s and the consequent electricity price
impacts. That is, electricity prices declined during most of the period -
from 1946 to 1972, reflecting the industry's declining cost curve. As a
consequence, sales of electricity doubled every ten years during this
period (7.1 percent annual growth). Most students of the industry expected
these trends to continue over time. As a result, utility construction

plans were based on this relatively rapid growth rate.’

In the early 1970s, however, signs of a change were available. Elec-
tric costs were beginning to rise as a result of the internalization of
external costs (pollution control) and the apparent exhaustion of economies
of scale in generation. Great impetus to this change was provided in 1973,
however, as oil prices increased dramatically, and with them electricity
prices. The price of electricity in 1974 was 24 percent higher than the
previous year; sales dropped for the first time in the post World War
period; and peak demand increased by only 1 percent. This sudden shift was
reinforced over the rest of the decade by continuing fuel price pressure,
increasing construction costs, rising interest rates, and required

pollution abatement costs.

As a consequence, the industry suffered rising costs throughout the

period. Average revenue per kWh increased at an average rate of 12 percent
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per year from 1973 to 1982. This rate of increase was substantially above
the 7 percent per year increase in the general economy, as measured by the
GNP Implicit Price Deflator. The rise in electricity prices was less than
the 18 percent annual average Increase in the Producer Price Index for
fuels and power. This would indicate that the price increases experilenced
by the electric power customer were less than those for other energy users.
In part this differential may have resulted from the reluctance of regula-
tors to increase electric prices. Also, fuel is only one component of
electricity prices, and the other components may have increased at a lower
rate. In any case, the result of the rise in the real cost of electricity,
together with relatively sluggish economic growth, was a reduction in the

growth rate for sales.

The volume of electric sales grew at an average rate of 2.1 percent
per year, in the 1973-1982 period, while peak demand averaged 1.9 percent
annually. Had electric prices increased at the same rate as other energy
prices, this growth rate might have been less. In any case, construction
plans were made some 10 to 15 years ago, based on demand growth estimates
at much higher levels than those experienced in the 1970s. The construc-
tion of electric generating units, however, unlike the electricity they
produce, cannot be "turned off” very easily once started. Capacity grew
at an average of 3.4 percent per year, between 1973 and 1982. This dispar-
ity in capacity growth rates, compared with peak growth, has resulted in

the current overcapacity situation.

Whether the utilities should have recognized what was happening at an
earlier stage is not the subject of this study; nor is it a question that
requires an answer for our specific purposes. Before attempting to lay the
blame for the current situation at any doorstep, however, one should keep
in mind that there was an unfortunate conjunction of events. The unfore-
seen decline in demand growth rates was coupled with an extension in the
construction planning cycle. An illustration of the impact of events in
the 1970s on a utility's capacity planning is presented in the first sec-
tion of appendix A.
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There is, however, the question of whether the present overcapacity
situation is temporary or will last for some time into the future. To a
considerable extent, the answer to this question is dependent upon the
economic situationu That ié, the state of the economy is a major factor in
determining electric demand, althbugh that relationship i1s not immutable.
In fact, over thé paét‘few years it has changed dfamatically. During the
1954-1958 period, the electvic growth rate was, on average,‘threé times
higher than the GNP growth rate; in the 1969-1973 period it was approxi-
mately double, and by the 1979-1982 period the rate of electric increase '
was approximately equal to the GNP growth rate. It would thus appear that
the nature of the relationship is changing, with the’pbssibility'that4in
the future electricity use will grow at a somewhat slower rate compared
with GNP, rather than at a faster pace. Regardless of the shifting
relatioﬁship, there remains a strong statistical correlation between GNP
and électricit? sales. 1In a statistical sense, 96 percent of the varia-
tions in electricity demand are the result of variations in GNP.9 Tt is
thﬁs obvious that if the economy growsAat a relatively rapid average annual
rate, say 4 percent; over the 1983-1992 period, the demand for electricity
will be muéh‘higher’than if the economy were to grow at the same rate (2.1

percent) as in the previous ten years.

With this caveat abﬁuf the effect of economic growth on electric demand,
current planning data published by the North American Electric Reliability
Council (NERC) indicate that most regions of the country will still be
suffering from overcapacity in 1992.10 gven 1if these data are adjusted to
reflect abandonments and cancéllations, reserve marginsg appear healthy in
most regions. We cén corclude, therefore, that barring substantial economic

growth, the overcapacity problem will be with us for some time.

In view of this probability, we now turn to our major purpose, namely,

a discussion of the regulatory options for treating overcapacity.

9A. Kaufman and K. Nelson, An Assessment of the Need for New Electric
Capacity (Washington: U.S. Library of Congress, Congressional Research
Service, August 1983}, p. 16.

10North American Electric Reliability Council, Electric Power Supply &
Demand 1983-1992 (Princeton: NERC, 1983).

18



CHAPTER 2
OPTIONS FOR TREATING OVERCAPACITY ASSUMING INVARTABLE DEMAND

Where overcapacity exists, a commission has a variety of options for
dealing with the situation. In this chapter and the next, these options
are set out along with their advantages and disadvantages. The purpose is
to develop a complete set of the more logical options, not to recommend a

particular one.

The discussion here deals only with options generally available to the
regulatory commission and does not explicitly deal with options usually
open only to the utility, which include selling ownership of some capacity,
retiring older plants, writing off unneeded capacity, delaying completion
of plants under construction, and abandoning plants under construction—-
though these actions could follow from some of the commission actions
suggested here. Here we deal only with commission responses to a utility's
request for full rate base treatment of capacity that the commission judges
to be in excess of reliability needs. Such responses can range from total
exclusion from rate base of the capacity in question to total inclusion in
rate base. The variety of rate base treatments is discussed here in
chapter 2. Other responses include commission-initiated cooperative
efforts with a utility to utilize existing capacity by promoting new

sales. These are discussed in the next chapter.

Some of the options to be considered have already been put into
practice by commissions. Examples of such practical application are given
in chapter 4. Other options suggested here have not yet been tried. Also
in chapter 4, factors that may affect a commission's choice among all these

options are discussed.

A Framework for Analysis

A summary of the various options is presented in table 2-1. As shown,

the various options can be classified as either supply options or demand
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TABLE 2-1

REGULATORY OPTLONS FOR TREATING OVERCAPACITY

A. Supply Options

1. Fully exclude excess capacity from rate base
(a) exclude newest plant(s)
(b) exclude least efficient plant(s)
(¢) exclude average plant

2., Partially exclude excess capacity
(a) exclude some fraction of excess capacity
(b) keep coverage ratio at 2
(¢) use a graduated excess capacity exclusion
(d) exclude return on equity but not debt
(e) keep revenue constant :
(f) base rates on imputed sales
(g) exclude a portion of the carrying costs

3. Fully include overcapacity in rate base
(a) use traditional rate base treatment
(b) phase in new capacity
(c) use a trended rate base

B. Demand Options
o 1. Promote bulk power sales
(a) encourage sales to neighboring companies
(b) encourage interregional power transfers
2. Promote new jurisdictional sales -
(a) lower rates
(b) encourage marketing

Source: Chapters 2 and 3 of this report.

options. Supply options are treated here, and demand options are treated
in chapter 3. 1In each chapiter, the options are applied to a hypothetical
typical utility, if appropriate, to illustrate the option and to estimate
its effect.

Relationship of Supply and Demand Options

Supply options are those that take electricity demand as unchangeable

and adjust the supply of capacity allowed in rates. Historically, most
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utilities and commissions have treated demand, for kilowatt—hours of energy
and kilowatts of capacity, as determined by growth in the number of
customers, increasing market penetration of electrical appliances and
equipment, weather, and the state of the local economy——all factors. over
which the utility and the commission have no control. In a rate case, new
rates are usually determined by spreading the new revenue requirement over
the billing units existing in a historical (sometimes future) test year.
The level of new rates is assumed by many commissions to have no effect on
the billing units, that is, on the demand for electricity. In other words,
the price elasticity of demand for electricity is assumed to be zero. With
this assumption, the main option open to utilities, which by law must serve
all comers, is to adjust supply to the level of demand. This is accom-
plished principally by building generating plants, regardless of cost, to
meet projected demand and by selling or leasing extra capacity 1f that
demand fails to develop fully. For the commission, the choices are whether
to include excess capacity costs in rates fully, partially, or not at all.
This choice is based on the "used and useful” test, the prudence test, or
commission judgement concerning how well the utility has supplied capacity

to meet an exogenously determined demand.

Demand options take into account that utility and commission actions
affect the demand for electricity. For unregulated companies, when demand
falls short of supply, the response is to stimulate demand with lower
prices. Automobile manufacturers offer rebates, and airlines offer
discounts, super—savers, off-peak rates, and "free" trips to frequent
flyers. For many regulated companies, however, when demand falls short of

supply, the response is to seek a rate increase.

In principle, this could lead to a so—~called "death spiral”: excess
capacity is included in rates, raising prices and lowering demand, which
results in more excess capacity, higher rates, and so on. In the "death
spiral,” the process continues until demand shrinks to zero. In practice,

this is most unlikely to occur for electric utilities since the price
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elasticity of demand is less than unity for most customers. But; a limited
death spiral response is likely to occur because including excess Qapacity
in rates will result in demand stabilizing at a reduced level, exacerbating

the excess capacity problem.

The two sets of options for dealing with overcapacity, relating to
supply and demand, differ in rationale but not necessarily in effect. For
example, excluding from rate base that portion of capacity in excess of
need would result in lower electricity prices, perhaps similar to those
arrived at by lowering rates to bring supply and demand more nearly into
balance. Moreover, a commission may hear severél different arguments for
lower rates, some based on excess supply and some based on inadequate
demand, and reach a judgement that gives weight to both arguments. A
commission opinion and order may provide for a partial exclusion of
overcapacity from rates, based primarily on the used—and-useful ‘test and

secondarily on the desire to avoid further dampening demand.

Despite the possible similarity in effect, it is worthwhilevto treat
these two sets of options separately for two reasons. One is that in a
rate case commissions must consider the rationale for any action and have
that rationale developed on thé record. Hence, it 1s appropriate to
identify distinct lines of argument here. ' Second, commissions must deter-—
mine the amount of any rate adjustment, and this amount will depend on the

method used.

The Criteria

In order to have a somewhat consistent framework against which to
compare the advantages and disadvantages of the various options, we
consider each option with respect to three criteria, in addition to other

factors specific to the particular option.

The first criterion is the correctness of the electricity prices

resulting from the option. This criterion measures the effect on the
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customer——whether he is asked to pay for capacity that he does not need.

It is not, however, simply a measure of how low the price is. A price
below the cost of producing electricity is as bad as one above. The
question is whether the price is correct. Here, a correct price is what we
consider the economically efficient price. For our purposes, it is not a
price simply equal to the utility's incurred costs, but a price equal to
the minimum cost required to supply electricity while maintalning the
appropriate level of reliability. The correct price may be considered the
price that the utility would have to offer if it were competing with other

electric companies for the customer's business.

In our examples, the average revenue per kilowatt—hour of generation
is used as a measure of the price. (It differs from aVerage price only by
a constant factor that accounts for line losses.) In a multi-year example,
price is measured by the levelized revenue per kilowatt—hour, which we
define as the net present value of the revenue stream divided by total

generation over all years in the example.

The second criterion is equity, or fairness, which has two aspects.
One 1is whether the various customer classes are treated fairly with respect
to one another. We could call this interclass equity. It is a measure of
how much one customer class bears the cost——or enjoys the benefits——of the
regulatory treatment of overcapaclty compared to the other customer

classes.

Another aspect of equity is whether this year's customers are treated
fairly with respect to customers in the future. We call this intergénera-
tional equity. It measures how well the capacity payments made by each
generation of customers matches their use of the capacity. Here in chapter
2, interclass equity is not considered explicitly because we assume that
commissions will treat the various customer classes fairly as rate base is
adjusted. But, intergenerational equity is very important here. In
chapter 3, interclass equity is a concern as the company promotes new

sales.
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The third criterion is the financial effects of the option. These
include the effects on both the company and its customers. By the company,
we refer to managers, creditors, and stockholders together. The financial
effects include the ability to provide a return to equity owners, to pay
interest to creditors, and to operate and maintain the utility in a manner
that assures adequate and reliable service to customers. The adequacy and
reliability of service depends on whether there is enough capacity
(obviously not a factor in an overcapacity situation) and whether there is

enough cash flow to operate and maintain properly the capacity that exists.

In our examples, the after-tax interest coverage ratio is used as the
principal measure of the financial effects. The after—tax interest
coverage ratio is the number of times that return on investment is able to
cover interest. A financially sound company generally has a coverage ratio
well above 2.0. A high coverage ratio contributes to a good credit rating,
which allows the company to take on new debt or roll-over old debt at low
interest rates. A company may be prohibited from borrowing, according to
the terms of some existing debt instruments, if 1ts coverage ratio falls
below 2.0, and at any rate borrowing under this condition is expensive. A
coverage ratio below 2.0 also makes the company's preferred and common
stock more risky--raising these capital costs——because small percentage
revenue variations then produce large percentage variations in earnings
available for stockholders. A coverage ratio below 1.00 means that the

utility is not able to make interest payments on its long-term debt.

The Typical Utility

The discussion of each option is presented along with an illustration
of the application of the option to a hypothetical typlcal utility. Having
such an example also allows us to examine numerically the impact of each
option on the typical utility and its customers. This typical utility is a
version of the IEEE Reliability Test System, modified so that the utility's
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generation, peak load, capacity, and certain financial ratios are equal to

recent averages of these data for all 204 class A and B e1ectric utilities,

This typical or "average" utility is described in detail in appendix
A. TImportant summary information about this utility is presented here in
tables 2-2 and 2-3. |

This utility is requesting rate base inclusion of 400 MW of nuclear
capacity. This would increase the generation component of rate base by 428
percent, from $268 million to $1,146 million. Total rate base would
increase by 272 percent, from $514 million to $1,400 million (including
associated transmission facilities). Table 2-2 shows the generation
components of rate base by fuel type, including the proposed nuclear
addition. The nuclear additlon is large relative to existing rate base
because receﬁt nuclear plant costs are high and because much of the
contribution to rate base of the older units has been reduced by @épre—

ciation.

The need for new capacity is shown in table 2—3. With a peak load of
1645 MW and a capacity of 1950 MW’before édding'the new unit; the utility
has a reserve margin of 19 -percent. Adding 400 MW of new capacity raises
the reserve margin to 43 percent. How the utility came to this situation

is described in the first section of appendix A.

The second and third sections of appendix A contain data on the con-
tribution of each generating unit to rate base, the capital structure of
the utility, and the other assumptions, equatidné, and data used to derive
the results of the numerical examples presented in the remainder of this

chapter.
Let us now consider the options open to a commission for treating this

request for rate base inclusion of the new facility. For the remainder of

this chapter, it is assumed that the annual generation of 87920 GWh and the
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TABLE 2-2

RATE BASE OF THE HYPOTHETICAL UTILITY

Generation Capacity Rate Base Contribution

(MW) ($ x million)

Generation ,

Nuclear , o 400 _ - 878

Coal : 1950 179

Hydro . ‘ , .. 200. . : : o7

0il (steam) 720 ' .81

011 (turbine) 80 ‘ ' 1

Subtotal . ~ ~ 2350, . 1146
Transmission o S " ’ 56
Distribution A , . - 194 L
Other - : 4
Total Rate Base » ’

before 400 MW nuclear additiona v ) 514

‘after 400 MW nuclear addition - - 1400

Source: Appendix A

-8The 400 MW addition adds $878 million to generation rate base and
$8 million of transmission associated with the new facility.

TABLE 2-3

GENERATION, PEAK LOAD, CAPACITY, AND RESERVE MARGIN
FOR THE HYPOTHETICAL UTILITY

Annual Genération ‘8790 GWh

Peak Load 1645 MW
Capacity
before 400 MW addition 1950 MW
after 400 MW addition 2350 MW
Reserve Margin -
before 400 MW addition 197%
after 400 MW addition 43%

Source: Average of 204 class A and B electric utilities; see also
appendix A.
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peak load of 1645 MW is invariable. Regardless of whether the new unit is
included in rate base and regardless of the resulting price of electricity,
the level and pattern of sales will not change. (Iun chapter 3, we remove
this assumption, assume the full 2350 MW is included in rate base, and
consider ways to stimulate demand to utilize this capacity.) If demand is
fixed, then commission options are to exclude excess capacity fully from
rate base, to exclude it partially from rate base, and to include it fully

in rate base. There are various ways of carrying out each option.

Fully Exclude From Rate Base

One option for a commission is to exclude excess capacity fully from
rate base. This action may be based on the statutory requirement that
investment be used and useful, on judicial precedent, or on commission

judgement of management prudence.

Newest Capacity

Excluding plant from rate base may be accomplished by simply refusing
to allow the newest capacity and associated transmission facilities into
the rate base. If a commission takes this sténce, it must decide how to
handle the expenses associated with the plant. 1In the unlikely event that
the utility builds the plant and does not use it, there are still plant
expenses such as those associated with property taxes, insurance, and
guarding the property. If the plant is truly abandoned (not just moth-
balled until needed), the utility can write-off the investment under the -
rules summarized in the third section of appendix A. This; of course,
would affect the utility's taxes, and the commission must recognize the
plant's existence at least insofar as to see to the proper ratemaking
treatment of the tax savings. We assume here that a new plént is not

~abandoned; it will be moth-balled or used.

More likely, the utility will operate the new unit because, from the

utility viewpoint, the fixed costs of the unit have been incurred and are
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therefore sunk, the unit exists, and economic dispatch of units requires
use of those with the least running cost. Then, the new unit incurs
additional expenses for fuel, other opefatioﬁ and maintenance, and depre-
ciation, but may produce a net savings in fuel experse, particularly in our
example where nuclear generation displaces o0il and coal generation. AThe
commission must consider whether these expenses are appropriate in rates if

the unit itself is excluded from rates.

Let us consider the effect of excluding the nuclear plant from the
rate base of our typical utility. ;Exéluding,thé plant, the new trans-
mission facilities associated with the plant, and the associated expenses
from rates is equivalent to keeping the ratesg that were in eéffect prior to
the rate case because‘here we assume no inflation in other expenses and no
change in the cost of capital. These assumptions are useful'for'isolating
the effect of the commission's treatment of overcapacity. 'In effect, the

commission treats the new plant as if it did not exist.

The average revenue per kilowatt—hour of generation in this case
(determined from the equations in figure A-1 of appendix A) is 5.6 cents
per kWh. :-This revenue level reflects fuel expense that inclﬁdes no nuclear
generation. ‘From the customer viewpoint, this is a favorable result
because the system capacity without the new uit is adequate, so no rate

change i1s induced by the existence of unneeded capacity.:

0f course, from the utility viewpoint, this is an unfavorable result.
The after-tax interest coverage ratio is only 0.92. This means no return
to common or preferred stockholders and the ability to pay only 92 percent
of the interest due. Absent another source of cash, this ratio suggests -

default ‘and possibly bankruptey.
From the viewpoint of intergenerationalyequity, this commission action

is favorable because it does not charge current ratepayers for capacity not

currently needed. -
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However, the utllity may operate the new unit and the commission may
allow depreciation charges and fuel expenses iﬁ rates, while still dis—
allowing rate base treatment. In this case, the revenue increase from the
new depreciation charges is more than offset by fuel cost savings as _
nuclear fuel displaces oil and coal. Revenué per kWh drops to 4.9 cents
per kWh. 1In principle, the coverage ratio is unchanged since revenue
increases or decreases track expense charges. Actually, nuclear fuel is
purchased in prior years so using nuclear fuel hélps the utility's cash
position, and depreciation related revenue requires no immediate, asso—-
cliated cash outlay, which also helps the cash flow picture. Hence, while
this approach does not improve éarningsland does not change the coverage
ratio, it may tehpbrarily improve cash flow sufficiently to enable a
utility to meet its interest payments. At a coverage ratio of 0.92, our
example utility is $5 million per year short on cash to meet interest

payments. Annual depreciation expense for the new capécity is $29 million.

From the viewpoint of intergenerational equity, this approach has the
disadvantage that current customers are deriving benefit ($120 million in
fuel savings) from the new unit, but recovery of capital costs is to be

from future customers.

The whole plant should not be excluded from rate base if a portion of
the plant's capacity is needed. Rather than exclude the whole new plant, a
commission would want to exclude that portion of the plant that represents
excess capacity. For our typical utility with a peak of 1645 MW, the
capacity required for a 20 percent reserve margin is 1974 MW, TIf capacity
over this amount is considered excessive, then 24 MW of the new faciiity is

needed, and 376 MW (94 percent) is not.

Suppose this 94 percent of the new facility is excluded from rate
base, but the first 24 MW of capacity and all of the associated new
transmission is included. The resulting revenue level depends on the

treatment of fuel and depreciation expenses. Presumably, the nuclear plant
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would be fully used--it would make no sense and it would not be possible to
run the plant at 6 percent of capacity——and the company's overall fuel
expense would be reduced. The choice is between allowing a depreciation

" expense for the entire umit or only for the portion in rate base.

Allowing depreciation fof'just the portion in rate base results in the
lowest revenue for the utility of any obtion considered: revenue péf kWh is
only 4.4 cents per kWh. This is because full use of the new nuclear‘plant
reduces the fuel expense,‘but there is 1ittie new nuclear plantkdepreciaf
tion expense. The inﬁerestvccverage ratic is only 0.62. Allowing the full
depreciation expense for the nuclear unit raises the revenﬁe level to 5.0
cents per kWh. 1In this case; thefcoveragé ratio improves somewhat to 1.02.
This is still a very low ratio, though it does permit full payment of
interest’obligation. The little remaining earnings must be distributed to
preferred stockholders resulting in a rate of return to them of less than 1
percent, compared with the 12 percent authorized by the commission for the
preferred stock coﬁponeﬁtldf the rate base. Of course, there is no return
carned on common stock. This slight improveﬁent in coverage.ratid is
slightly more\adVantageOus to the utility than the previous approach of)

excluding the whole new plant.

Setting aside the level of fuel expense, which is recovered dollar for
dollar, these results are similar to the results for excluding the whole
plant. However, if the excess capacity portion of the new:plant were
significantly less than 94 percent, then under this option rates would be

higher and the impact on the company would be less severe.

Least Efficient Capacity

It is not necessary to attribute the excess capacify to the new
nuclear plant. Once the nuclear unit is on line, one can argue that it'is
used and useful and some other units are not. Perhaps the oldest plants
ought to be retired if their maintenance costs are too high. Perhaps the

0oil plants are economically obsolete and ought to be abandoned.
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If 1974 MW is required by our typical utility for peak-plus-reserve
needs, an analyst could simulate economic dispatch of the company's gene-
rating units to meet a hypothetical load of 1974 MW. Then, units that come
last in the loading order (with some of all peaking units excepted because
of their desirable load following characteristics) céuld be deemed not used
and useful and be excluded from rate base. These units are the last 376 MW
out of the total 2350 MW capacity to be dispatched. For our typical
'utility, this would be the older, presumably less efficient oil-fired
units. TIdentifying 376 MW in this way results in five oil-fired units and
a portion of a sixth being excluded (see table A-5 in appendix A for
details). The rate base contribution of these units is $20 million.’ For
cur typical utility, original costs for three of these units have already
been fully recovered over the units' thirty-year lives, and the rate basé
contribution of these three units consists of the undepreciated portion of

replacement equipment and parts.

Here again, the commission must consider whether expenses associated
with the units should be included in rates. These include fuel costs (in
the event that the units are actually used during the year), depreciation
(if aﬁy), and maintenance. An important related question is whether the
commission views exclusion of’these plants as permanent, as if the utility
had retired the plants and would write off any unrecovered investment. If
so, the case for including associated expenses in rates is weaker than if
the rate base exclusion is temﬁorary. If temporary, the company then wouid
be expected to malntain the plants so that when the peak demand grows suf-
ficiently, the units can re-enter the rate base if they can provide power
at less cost than new capacity. We assume here that depreciation of units

excluded from rate base is not allowed in rates.

The effect of excluding the least efficlent units from rate base is to
reduce the $1400 million rate base, which includes the new capacity, by $20
million. The revenue per kWh in this case is 7.1 cents per kWh, and the

interest coverage ratio is a respectable 2.46.
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This revenue level’is 27 percent above the pre-rate—case level. It is
very close to the revenue level (7.2 cents per kWh) that wouldvresult'frém
full rate treatment of all capacity. This is a disadvantage for utility
customers who were receiving reliable service before the rate case at 5.6

cents per kWh .

The interest coverage ratio reflects a level of earnings that permits
full payment of interest due, payment of all preferred dividends, and per-
mits a return on common equity of 14.5 percent, just a little below the

authorized return on equity in rate base of 15 percent.

Average Capacity

Still another way of excluding the full 376 MW of excess capécity ié
to exclude the average unit. That is, if 376 MW of the 2350 MW'(16 per-—
cent) is excess capacity, then 16 percent of the generation portion of the
rate base could be excluded. This is (from table 2—2)‘$183-million, or 13

peréent of the total rate base.

Several states have used some version of this‘approach. Generally,
the argument for it is that all units are used at some time during the year
so that no'one‘uﬁit can be singledvout as not used or useful. With this
approach, all expenses for.all units are usually recovered in rates, '

including depreciation, and this is assumed in our example.

' The effects of this approach on our typical utility are that the rate
base 1s reduced from $1400 million to $1217 million, revenue per‘kWh is 6.7
cents per kWh, and the interest coverage ratio 1s 2.18. This approach
provides enough revenue to cover interest obligations and preferred
dividends fully. It also provides a return on common equity of 11 percent,
compared to a commission—authorized 15 percent feturn on the equity portion

of the rate base.

Excluding average capacity has results, as expected, that lie between
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the results for excluding the newest capacity and those for excluding the
least efficient capacity. Rates increase by 18 percent over the rates in
effect before the new capacity camé on line. This is still to the
disadvantage of customers who had reliable service without the new
capacity, but not so disadvantageous as excluding the inéfficient,
generally older capacity. The effects on the company are significant

without being severe.

Partially Exclude from Rate Base

A utility may want to send a signal to the utility that excess
capacity is not acceptable in rate base, but may not want to exclude excess
capacity fully-—either because the financial impact on the company and
eventually on its customers would be too severe or because the commission
wants to tie the amount of rate base inclusion to the degree of management
responsibility for the excess capacity. Various approaches to partial

exclusion are possible.

Selected Fraction

One is for the commission to exercise its judgement about the
appropriate fraction of excess capacity for inclusion, for example, 50
percent of the excess capacity may be allowed in the rate base. This
judgement can be based on the results of an audit or hearing to determine
the prudence of the decisions that resulted in excess capacity, based on
the financial position of the utility (how much it can reasonably bear),

based on the level of reserves, or based on some other factor.

The financial impact on the company will depend on whether the excess
capacity is attributed to the newest unit, the average unit, or the least
efficient units——as discussed in the previous section. For the purposes of
example, we assume that the commission associates excesé capacity with the
newest unit, that no depreciation expense is allowed on excluded capacity,

and that the new transmission facility is fully included in the rate base.
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Suppose that the commission finds, based on a prudence study, that
only 50 percent of the new unit is includable in rates. Then, revenue pér
kWh for the typical utility is 5.7 cents per kWh. This represents a small
rate increase of less than 2 percent. This is because the increased return
on half the new plant is almost offset by the fuel cost savings derived
from this plant. This option is favorable to customers, but moderately
unfavorable for the company. The coverage ratio in this example is

1.50--enough to allow only a 3.0 percent return on equity.

Selected Coverage Ratio

With a coverage ratio below 2.00, the company's credit rating suffers.
A commission might choose to allow just enough of the new capacity into
rate base to achieve a coverage ratio of 2.00. Applying this approach to
the typical utility, with the same assumptions as in the previOué exanmple,
yields the requirement that the rate base equal‘$1178 million. Hence, $222
million of the $878 million new plant (25 percent) can be excluded from
rate base to achieve an interest coverage ratio of 2.00. This leads to
revenue per kWh equalling 6.5 cents per kWh, a 16 percent rate incféase;

and return on equity equalling 10.2 percent.

Graduated Excess Capacity Exclusion

Still another approach is to relate the fraction of excess capaéity
excluded from rate base to the degree by which the company overestimated
the need for capacity. That 1s, if the émount of excess capacity is smail,
most of it is included in rate base; but if the amount is large, most of it
is excluded. For example, the dollar amount potentially excludable from
rate base could be multiplied by the ratio of excess capaéity to peak load.
If the excess capacity is, say, ten percenf of peak load, then ten percent
of the excess capacity is excluded from rates, while 90 percent is allowed.
But if excess capacity equals 80 percenﬁ of peak load,ktheh 80 percent of

the excess capacity costs would be excluded from rate base. In the case
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of our typical utility with a 43 percent reserve margin, 23 percent‘(376 MW
of excess capacity divided by 1645 MW of peak load) of the excess capacity
costs would be excluded. If these costs are again attributed to the newest
unit, then rate base treatment is denied to $202 million associated with
the new unit. The resulting level of revenue per kWh is 6.5 cents per kWh
(a 16 percent increase), and fhe interest coverage ratio is 2.05, providing

a 9.5 percent return on equity.

Equity Only

Another approach to excluding a portion of excess capacity from rate
base is to disallow a return on the equity portion of the investment in
excess capacity but to allow a return on the debt portion. The intent is
to make sure that all debt can be paid, to avoid any threat of bankruptey,
and to hold bondholders harmless while directing any losses toward those

who assumed a greater investment risk, the stockholders.

v This approach is different in rationale from the earlier approaches
but not so much different in effect. Earlier approaches that fﬁlly ex-
clude excess capacity exclude investment funded jointly by creditors and
stockholders. The "missing” return on the excluded investment is calcu~
lated at the weighted average cost of capital, as if creditors and stock-
holders each fail to earn a portion of their expected return. In practice,
the company must, of course, pay its creditors fully before any earnings
are availlable to stockholders. Hence, most approaches considered earlier
also result in covering debt fully and deny some return to stockholders.
Under the approach considered here, however, the return denied to
stockholders is less because they do not have to absorb the "missing”

return to creditors.
Here again the commission must decide whether excess capacity is

associated with the newest unit, the average unit, or the least efficient

units, and again we assume it is the newest unit for purposes of example.
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The new unit costs $878 million and is funded 50 percent by debt, 10
percent by preferred stock, and 40 percent by common equity, as explained
in appendix A. Under the debt—only approach, the commission allows a 9.6
percent return on half the investment, or a return of $42 millidn on $439
million of debt aséociated with the new plant. But no return is allowed on
stockholders' investment associated with the plant. (Of course, one could
also apply this technique to a portion of the plant, especially if not all
of the 400-MW plant is considered excessvcapacity.) In this case, all
interest expense is guaranteed to be covered: the interest'coverage ratio
is 1.80, compared to 0.92 when all return on the new plant ig denied.
Earnings on rate base are sufficient to cover all obligations to preferred

stockholders and a 6.6 percent return to holders of common stock.

The commission may or may not include in rates the depreciation
expense on the excess capacity. If it does, revenue per kWh is 5.8 cents
per kWh, a 4 percent rate increase. Compare this with a revenue level of
4.9 cents per kWh reported earlier as the result when depreciation is
allowed but no return on the new plant is permitted. These results are

advantageous to customers and moderately unfavorable to the company.

Constant Revenues

When a new unit begins operation, the expenses of the utility change.
For example, depreciation and income taxes associated with return on equity
in the new plant increase, and fuel costs usually decrease. If the fuel
cost savings are substantial, total éXpenses can decrease. A conmission
might allow just enough of the new unit into rate base so that the increase
in return on rate base balances the decrease in total expenses. The result

intended is that the revenue requirement be unchanged.
For the typical utility, the rate level prior to the nuclear plant

coming on line was 5.6 cents per kWh, which resulted from spreading the

$492 million revenue requirement over 8790 GWh. The nuclear plaht'results
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in fuel savings of $120 million annually. Hence, the commission can allow
an additional $120 million of depreciation, return, and income taxes on
return without raising rates. After allowing for the full depreciation
expense, $278 million of new plant can be included in rate base. This is
32 percent of the new unit's cost. The resulting interest coverage ratio

is‘1.42, which permits a 2 percent equity return.

This approach has the advantage of holding the customer harmless.
However, from the company's viewpoint nothing has changed as the result of
the rate case: the same revenues are collected and are presumably dispersed
by the company in the same way as they have been since the nuciear unit

began full power operation.

Imputed Sales

Another approach is to grant full rate base treatment of all capacity,

but calculate rates as if sales were sufficient to utilize this capacity.

OQur typical utility has capacity of 2350 MW. With a 20 percent
reserve margin thils is sufficient capacity for a system with a peak loéd of
2350 MW + 1.2 = 1958 MW. (This is close to the company's. forecast 1984
peak of 1952 MW as shown in table A-4 of appendix A. Either figure may be
used to calculated imputed sales.) Assuming the company's load factor
(generation + peak load + 8760 hours) remains constant at 61 percent, a
peak of 1958 MW implies an imputed annual generation of 10,465 GWh. This
is 19 percent more than actual generation of 8790 GWh.

The full revenue requirement covering all capacity is $633 million, 23
percent above the pre-rate—case revenue requirement of $492 million. If
this is spread over actual kilowatt—hours, the result is a 28 percent rate
increase. However, 1f it is spread over the imputed kilowatt—hours, the

revenue per kWh is 6.0 cents per kWh, giving a 7 percent rate increase.
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This approach gives full rate base treatment of excess capacity. But
if--as we assume in this chapter--demand for electricity is invariable,
this approach provides for an undercollection of the revenue requirement
set by the commission. At 6.0 cents per kWh of generation and with only
8790 GWh of generation, the actual revenues collected would be $527
million--a 6106 million shortfall. TInstead of the authorized 12 percent
rate of return on rate base, the actual rate would be only 8.1 percent.
Once creditors and preferred stockholders are paid, owners of common stock

have earnings of 5.2 percent. The interest coverage ratio is 1.69.

Thus, with the assumption that the demand for electriéity is unchange~
able, this approach must be considered the equivalent of an approéth that
partially excludes capacity from rate base. Very likely, our hypothetical
utility would consider it so. However, the spirit behind this approach mé&
be considered the equivalent of some options considered in chapter 3,
namely, to grant full rate base treatment, but to set prices at a level

designed to use capacity more fully.

Carrying Costs

Anbther’approach to partial exclusion of new plant costs is to deny
full inclusion of the carrying costs of the unit prior to its entry into
rate base. There are at least two approaches to doing this for a completed

plant.

One is to use the traditional regulatory device of delay, usually
called regulatofy lag. If a new unit is completed but is not yet needed,
then a commission may try to defer the rate hearing until the wnit is
needed. Under this approach, the commission may allow into rate base the
carrying costs during construction but might not allow the carrying costs
after construction and before rate base inclusion. One can argue that if
the new unit is not needed, then a rate case to consider its rate treatment
is not needed and ought to be delayed. This is an alternative to having

rate base treatment considered and rejected.
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Many states now have statutory requirements for frequent rate hearings
and may not be able to use this approach. Other states, however, may find
it appropriate to adjust the regulatory lag to fit the amount of excess

capacity. According to Bombright, writing in 1961 about regulatory lag:

Under prevailing methods of rate regulation, [efficien-
¢y] incentives are, indeed, provided to a limited
degree....[by] "regulatory lag"——-the quite usual delay
between the time when reported rates of profit are above
or below standard and the time when an offsetting rate
decrease or rate increase may be put into effect by com—
mission order or otherwise.

Commissions have....tended to let existing rate levels
‘stand, subject to minor revisions in the rate pattern,
until there appears to be an impelling reason for a new
general rate case....Quite aside from the recognized
‘undesirability of too frequent rate revisions, commis-
sions recognize the "regulatory lag"” as a practical
means of reducing the tendency of a fixed-profit
‘'standard to discourage efficient management.

[T]he most serious of all of the objections to a cost-—
of-service standard of reasonable public utility rates
[is] that, as long as rates are fixed so as to assure
even a company under mediocre management that it can
recover its costs, including a "fair rate of return,”

~ eesothere will be lacking under regulated private
ownership a stimulus for efficiency comparable to the
stimulus of actual competition.... But a plausible case,
at least, could be made for the thesis that what has
saved regulation from being a critical influence in the
direction of mediocrity and tardy technological progress
has been its very "deficiencies” in the form of :
regulatory lags....2

Another concern for commissions relating to carrying costs for a newly
completed plant is whether a company, fearing that it would have excess
capacity, intentionally delayed completion of construction in order to-
allow demand to catch up with system capacity. The delay could have been
explictly announced, excused as part of a Nuclear Regulatory Commission

action, or attributed to some other cause. The carrying costs associated

27ames C. Bonbright, Principles of Public Utility Rates (New York:
Columbia University Press, 1961), pp. 53, 147, 262.
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with such delay ought to be of concern to commissions because they repre-—
sent a way of avoiding an overcapacity penalty and charging customers for
inaccurate demand forecasting without commission approval. Another similar
utility that finishes construction on time might be temporarily denied rate
base treatment of its new facility and might not be allowed to recoup the
carrying costs 6f the plaht for the time between plant completion and rate

base inclusion.

However, it may be difficult to distinguish deliberate construction
delays from delays attributed to other causes. A management audit may be
required for suCh a_detérmiﬁation, If deliberate delay is identified, then
the carrying costs associated with the delay need to be identified for pos-

sible exclusion from plant capital costs eligible for rate base treatment.

On the other hand, the commission can simply put a time limit on the
accrual of AFUDC (allowance for funds used during construction) when
inexplicable construétion delays occur in an overcapacity situation. When
the plant enters the rate base, whether immediately or eventually, the
limitation on AFUDC is a pértial exclusion of the company's claimed full
plant cost. For our typical utility, 376 MW of the completed nuclear plant

at a carrying cost rate of 12 percent would cost $99 million per year.

Commissions that allow the cost of construction work in progress
(CWIP) inAthe rate base need to consider how this policy applies in an
overcapacity situation. The same options apply here as apply to the rate
base treatment of a completed plant: full exclusion, full inclusion, and
partial exclusion. If CWIP inclusion is considered a useful policy for
propping up earnings during construction, perhaps a policy of partial
inclusion (such as debt but not equity) would appeal in an overcapacity

situation.

Fully Include in Rate Base

With the set of options to be considered here, the overéapacity is

determined not to represent excess capacity excludable from rate base.



The company is fully compensated for its investment. All capacity is fully
included in rate base, but the timing of revenue flows may be modified from

that traditionally used.

The timing of revenue flow can be modified so that the company col-
lects the same number of ddllars (same nominal revenue) or modified so that
the net present value of the revenue flow is unchanged (same real revenue).
If the nominal revenue collection is delayed, the company receives less

compensation in real terms.

Three options are considered here: traditional rate base treatment,

phase—in treatment, and rate trending.

Traditional Treatment

In the traditional regulatory treatment of investment, the full value
of the investment goes into the rate base immediately, and (absent compen-
sating fuel savings) rates undergo a step increase to a higher value. In
future years, the value of the investment decreases as depreciation expense
reduces the rate base. Hence, all other things being equal, the contribu-

tion of the investment to rates decreases over time.

For our typical utility, the traditional regulatory treatment of
including all capacity in rate base results in an increase in the revenue
requirement from $492 million to $633 million and a corresponding increase
in the revenue per kWh—--still assuming that demand does not respond to
price——from 5.6 cents per kWh to 7.2 cents per kWh. This is a 29 percent

ratevincrease.

The company earns the authorized return on equity, 15 percent, and has
an interest coverage ratio of 2.51. This is the most favorable outcome
from the company's point of view, but it will be realized only if demand

really is insensitive to the price of electricity.

On the other hand, from the customer point of view this is the least
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attractive outcome. Customers were served at 5.6 cents per kWh with a 19
percent reserve margin. Provided this level of reserves is adequate, they
now face a large increase in their electric bills without any real change

in the quality of services

From the viewpoint of intergenerational equity, this is an unfavorable
approach.  Assuming a 2 percent rate of growth in peak, the new capacity
will not begin to be needed until the tenth year that the new unit is in
rate base—-—at which time growth will have reduced the reserve margin to 20
percent (if there are no plant retirements during this period).

In the first such year, the required revenue per kWh is 7.2 cents per
kWh: 4.2 cents for all expenses except income taxes, 1.9 cents for return
and income taxes on the return associated with the nuclear unit, and 1.1
cents for return and income taxes associated with the rest of the rate
base. If we continue to assume that there is no inflation in expenses over
the ten-year period, that there is no change in the percentage cost of
capital or in the capital structure of the company, and that there are no
construction costs in rates, then the revenue level will decrease over time
from 7.2 cents. The decrease has three causes. First, sales growth
épreads the reﬁenue requirement over more kilowatt-hours. Second, the non-
nuclear components of the rate base decrease with depreciation. And third,
the nuclear plant depreciates. In order to isolate the effects of depie—
ciating the new facility, suppose that there is no sales growth and no
depreciation of other plant. Then, over the ten~year period, revenue per
kWh declines from 7.2 cents to 6.6 cents. Over the following ten years, it
declines to 6.0 cents as the nuclear facility contributes progressively

less to rate base.
The irony of this traditional approach in an overcapacity situation is
that those customers in the first ten years who do not meed the new

facility pay more for it than those in the second ten years who do.

If a 2 percent growth in sales does occur over the ten-year period,

electricity prices would decline by 22 percent due to this cause alone.
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Combining the two causes, revenue per kWh goes from 5.6 cents before the
rate case to 7.2 cents immediately after the rate case, and declines to 5.6
cents again in the tenth year. This effect is illustrated in the left-hand
side of table 2-4.

Because of the unfalrness of this approach (and because it is increas-—
ingly realized that electricity demand does respond to priée), alternatives
to traditional rate base treatment of new capacity have been suggestd both

by commissions and by utilities.
Phase—In

Phase—~in treatment of new capacity, a relatively new regulatory con-
cept, changes the traditional time-pattern of revenue flows over the first
few years of a plant's useful life. Typically, plant-related revenues are
reduced, compared to the traditional treatment, for the first two or three
years that a plant is in rate base. Over the next two or three years, such
revenues are above the usual levels. After the phase-in period, which may
last for five years or so, revenues follow the traditional pattern. The'
revenues can be set at such a level that the nét present value of the
altered revenue stream equals that of the traditional révenue stream.

Then, setting aside differences in cash flow, the plant may be considered

fully iﬁcluded in rate base.

As used by the Illinois Commerce Commission, for example, phase-in is
a tool for dealing, not with overcapacity, but with rate shock——the sudden
large increase in rates when a new plant comes into rate base. Consequent-—
ly, even though the plant may be fully needed to maintain the desired
reserve margin, a phase-in approach has attractive features for other

reasons.

Clearly, however, a commission could use a phase—in treatment for
capacity in excess of immediate needs. The commission could phase a new
plant into rate base in such a way that included capacity matches peak load

plus reserve requirements as demand grows. After the plant is fully
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TABLE 2-4

COMPARISION OF A TRADITIONAL AND A PHASE-IN APPROACH

A Traditional Approach A Phase-~In Approach
Revenue Present Value : Present Value
Require- Revenue of Revenue Revenues Revenue of Revenues
mentd per kihb Requirement® Collected per kWhP Collected®
Year ($ x million)  (#/kWh) ($ x million) ($ x million) (£/kWh) ($ x million)
1 633 7.2 633 519 5.9 519
2 628 7.0 610 556 6.2 540
3 622 6.8 586 594 6.5 560
4 617 6.6 565 634 6.8 580
5 611 6.4 543 - 676 7.1 601
6 606 6.2 523 663 6.8 572
7 600 6.1 503 645 6.5 540
8 595 5.9 484 627 6.2 510
9 589 5.7 465 621 6.0 490
10 584 5.6 448 584 5.6 448
’ total: 5360 total: 5360

Source: Authors' calculations.

a. Assumes straight line depreciation for the nuclear unit of the hypothetical utility in
appendix A over 30 years; assumes no inflation in expenses and no change in the percentage
cost of capital; assumes no additions to rate base during the teén-year period; and assumes
there 1s no depreciation of the mon—nuclear component of the rate base in order to isolate
the effect of treating the new addition of generating capacity.

b. Assumes generation grows at 2 percent per year regardless of the price of electricity.

c. Assumes a real rate of interest of 3 percent.



included and fully useful, the commission may choose to provide full
compensation for the company's carrying costs by raising rates awhile above
the traditional level. 1In this case, such costs are more appropriately
borne by customers making full use of the new facility and are more easily

borne when spread over a larger number of kilowatt-hours.

VOf course, a commission may choose to phase in a new facility as
described--matching capacity inclusion with capacity requirements--without
raising rates above the traditional level thereafter. Such an action is
essentially the same as the options discussed in previous sections for
excluding capacity, fully or partially, from rate base until it is needed.
Thus, phase~in plans may differ in their advantages and disadvantages
according to the features of the specific plan. Here, phase-in treatment
refers to the case in which cash flow is delayed for the first few years
‘but the net bresent value of the revenue stream is the same as under

traditional, full rate base treatment.

An illustration of a particular phase-in approach is presented in the
right-hand side of table 2-4. Recall that in the traditional approach,
shown on the left-hand side, revenues per kWh rise abruptly from 5.6 cents
before the rate case to 7.2 cents afterward. FExpenses, apart from income

taxes, amount to 4.2 cents and interest on long-term debt contributes 0.7

- cents. In every year, under both approaches shown in the table, revenues

are adequate to cover these costs. All revenues over 4.9 cents go toward

earnings on preferred and common stocks and income taxes.

Under the traditional approach, earnings are higher in the early
years. Over the ten—year period, the present value of the revenue stream
is $5360 million. This is determined using a discount rate of 3 percent, a
rate assumed to be equal to the rate of interest in an inflation-free

period.
With the phase—in approach, the revenues collected are lesg than the

traditional revenue requirement for the first three years, and more for the

next six years. In the tenth year and afterwards, the revenues are the
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same. However, the present value of the revenues collected over the
ten-year period is the same with both approaches. Because the same
expenses and interest are subtracted each year from the revenues, the two

earnings streams also have the same value.

In theory, a utility would be indifferent to a choice between the two
approaches. In practice, utilities may prefer the traditional approach for
several reasons. It presents less of a cash flow problem; it calms worried
investors who have waited through a lengthy construction period to start
earning a return; and it presents less of a risk that commissioners and

commission policy may change during the phase~in period.

" However, utilities may prefer——even suggest——a phase—in approach;to
full cost recovery if they see it as an alternative to full or partial rate
base exclusion of new capacity. Furthermore, a utility may favor a phase-
in policy if it does not believe that a 29 percent rate increase leaves

customer demand unchanged.

The phase~in example in table 2-4 is designed to ease rate shock by
providing for increases in revenue per kWﬁ of 3 mills a year, from the
pre-rate-case level of 5.6 cents up to 7.1 cents. This example shows, of
course, only one of many possible revenue rearrangements that could be

designed to keep the present value of the revenue stream constant.

From the customers' viewpoint, this phase-in approach still has the
disadvantage of granting full cost recovery for a 43 percent reserve

margin.

Intergenerational equity is improved in the phase-in approach compared
to the traditional approach because the burden on customers who least need
the additional capacity is reduced and shifted toward future customers who
may have a greater need. Nevertheless, in this example of 2 percent growth
rate, a phase—in period of ten years fails to shift the burden sufficiently
forward in time--to the second decade when the additional capacity is

actually required.
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Rate Trending

Phase—in disturbs only the first few years of traditional revenue
flow. Rate trending changes the traditional flow over the entire deprecia-

tion-1life of the plant.

Under traditional rate base treatment, customers pay for refurn on the
full value of the plant initially and pay less each year as the .plant is
depreciated, until the payments shrink steadily to zero at the end of the
plant’'s depreciation life. As a result, rate base 1s dominated by recent
plant additions, not only because redént additions are large and more
expensive, but because older units have undergone significant reduction in
contribution to rate base. (An example of this effect is in table A-5 of

appendix A.)

Such an approach loads investment costs on customers who are served in
the early years, and especially in the first year, of a unit's life. Yet,
these are the customers who have thekleast need for the plant in an over—
capacity situation. Alterhative regulatory approaches are;vof coufse,
possible. One is to provide for a schedule of repayments to investors like
that of a 30-year home mortgage: each year the same payment is made. This
abproach is sometimes referred to as usiﬁg "trended rates.” This épproach
may be more equitable in that the plant is, presumably, equally useful to
ratepayers over its 30-year life. While this approach may not shield
early—-year customers as well as a phase~in plan does, neither does it

burden early-year customers more heavily than the later-year customers.

This approach is less attractive from the utillity's point of viéw,
however. The traditional approach provides for equal return of capiltal
investment each year, along with an earned return on the remaining.invest~
ment. The mortgage—approach provides mostly for return of the investment
and little return on capital in the early yeafs, just as a home mortgage |
payment consists mostly of interest payments in the early years with little

return of principal.
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Suppose our typical utility were to recover its $886 million
investment in the nuclear unit and associated transmission faciiitieébusing
a recovery schedule that behaved like a schedule of mortgage payments. The
results, befofe provision for income:taxes, would be those presented in

In the traditional approach, the constant factor from year to year is
the amount of straight line erreciation? Depreciation expense is
analogous to repayment of principal in a mortgage, just as regulatory
return on rate base is like mortgage interest. The traditional approach
leads to large total ﬁaymentsv(depreciation plus return) in the early years

and small payments in the later years of a unit's depfeciation life.

in contrast; the total payment is the constant factor from year to-
year in the mortgage approach. The 30-year total interest (return) is
greater in this case because customers take longer to return principal.
Notice that the interest/return is the same in the first year in the two
approaches. But the mortgége approach is slower to return principal/depre-

ciation: it could be called "decelerated depreciation.”

Thefmotivation for this approach is two-fold: it enhances intergenera-
tional equity bécause payments for the new uﬁit are spread evenly over
current and future customers, and it alleviates the problem of overcapacity
by shifting some of the payments for the capacity into the future, when the

capacity is needed more.

The'advantages and disadvantages of this approach are gimilar to those
of the phase-in technique. However, utilities prefer phase-in because,
after the phase~in period, the traditional, early recovery of investment
occurs. Furthermore, the mortgage approéch is at a disadvantage because it
is novel in tﬁe regulatory arena, where precedent is important and
traditional techniques have a long history. Whether the mortgage approach
would be more 6f a departure from tradition than the phase-in approach is

an open question.
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TABLE 2-5

COMPARISON OF A,TRADITIONAL AND A MORTGAGE APPROACH*
(in millions of dollars) ’

A Traditional Approach A Mortgage Approach

Year 1 : Depreciation 29.5 ‘Principal 3.7
Return 106.3 Interest 106.3

Total 135.8 Total 110.0

Year 10: Depreciation 29.5 Principal 10.2
Return 74 .4 Interest 99.8

Total 103.9 Total 110.0

Year 20: Depreciation 29.5 Principal 31.6
Return 39.0 Interest 78 .4

Total 68.5 Total 110.0

Year 30: Depreciation 29.5 Principal 98,2
Return 3.5 Interest 11.8

Total 33.0 Total 110.0

30-year total: Depreciation 886.0 Principal 886,0
Return 1648.0 Interest 2413.7

“Source: Authors' calculations.

*Based on an investment of $886 million at a cost of 12 per-—
cent per year for 30 years. Income taxes on return are
omitted.

Note that the mortgage approach does not provide for truly equal
treatment of customers over the years because inflation makes later dollars
worth less than early dollars. If economic equality were the only goal,
customers would make equal real dollar payments over the life of the plant.
This would result in payments in nominal dollars increasing from year to
year—-—just the opposite of the traditional approach. Such an approach is
attractive from the customer's viewpoint in a period of overcapacity
because it reduces early year payments even more than the mortgage
approach. With respect to intergenerational equity, it may well be the
ideal approach--still assuming that the plant is expected to he equally

useful and valuable to the customer over its entire depreciation 1ife.

49



But, from the investor's viewpoint this is the least desirable of the
approaches that provide for full rate base treatment because significant

cash flow is deferred further into the. future, implying additional risk.

Summary

In summary, the supply-side options offer a variety of approaches,
ranging from those that mostly favor customers to those that mostly favor
the utility. We have seen a way of fully excluding excess capacity from
rates that leaves the company vir;ually unharmed financially, and we have
seen a way of fully inciuding Ail“capacity thét défers much of the

resulting rate increase into the future.

For each option of excluding some capacity, the effects of the option
depend heavily on whether the newest capacity; the average capacity, or the
least efficient capacity is excluded. The effects depend too on how the
commission chooses to treat thebéxpenses of the excluded plant, including

depreciation expense, and how fuel cost savings are treated.

The éxamples in this chapter, based on a typlcal "average" utility are
useful for illustrating the overcapacity option and for assessing the
likely effects of each option. Table 2-6 and figure 2-1 summarize some key
features of these results. Clearly, these effects will not be the same for
every actual company, with a unique fuel mix, level of reserves, capital

structure, and so on.

The principal fault in these examples, however, is the assumption that
demand is unaffected by the price of electricity. - We postulate a utility
with a peak load of 1645 MW and annual generation of 8790 GWh at a price:
based on 5.6 cents per kWh of generation. - We assume further that rates
could increase by 29 percent (to cover 2350 MW of installed capacity)
without decreasing sales at all.

In the next chapter, factors affecting the demand for electricity are

discussed, including the important effect of electricity prices.
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TABLE 2-6

RESULTS OF THE SUPPLY OPTIONS FOR THE TYPICAL UTILITY*

Revenue Return on Interest
per kWh Equity Cover age
Option (£/kWh) . (%) ' - Ratio
Full Exclusion
New Plant 4.9 : 0.0 0.92
Least Efficient 7.1 14.5 2.46
Average Plant 6.7 11.1 2.18

Partial Exclusion

50% 5.7 3.0 1.50
2:1 Cov. Ratio 6.5 10.2 2.00
Graduated Exclusion 6.5 9.5 2.05
Equity Only 5.8 6.6 1.80
Constant Revenues . 5.6 2.0 1.42
Imputed Sales 6.0 5.2 1.69
Full Recovery
Traditional 7.2 15.0 2.51
Phase In (first year) 5.9 4.5 1.62
Trending (first year) 6.9 12.7 2.31

Source: Authors' calculations.

*The results depend importantly on the additional assumptions discussed in
the text. Note that partial exclusion of carrying costs is not included
here because no numerical example is associated with this option. Phase~in
. and trending results, based in part on tables 2-4 and 2-5, are only for the
first year that these rates are in effect.
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AVERAGE REVENUE, SUPPLY OPTIONS
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